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Abstract 
Trinidad and Tobago (T&T) has over one hundred years of experience in oil production. In addition, the nation was one of the 
first to employ enhanced oil recovery via CO2 flooding. In recent times however, oil production has decreased and the early 
implemented CO2-EOR projects have all ceased. Since T&T is a rapidly developing energy intensive economy, it is amongst the 
top ten in the world in terms of CO2 equivalent emissions on a per capita and per GDP basis. Many researchers within the nation 
and elsewhere have conceptualized that T&T can ironically use its rich history of oil production and CO2-EOR to help reduce its 
emissions. However, to effectively do this, key parameters must be found robustly and scientifically. The paper attempts to do 
this by outlining a framework for investigating the feasibility of implementing CO2-EOR in T&T from flus gas sources. This is 
done through the use of reservoir simulation in CMG to obtain key parameters needed to investigate this feasibility. An existing 
natural gas turbine fired power plant in Point Lisas was selected as the CO2 source allowing actual CO2 volumes and properties 
germane to this plant to be used. However, a hypothetical field was chosen as the appropriate sink since the use of actual field 
data was prohibited by relevant companies in T&T. While this is not ideal, the values used closely resemble actual field data and 
can easily be modified once permission to use actual field data is acquired. For this hypothetical field, a detailed reservoir model 
was built. The model was executed, and various scenarios were simulated to determine the optimum number of producers for 
primary production and the best location of the CO2-EOR injectors. Many key parameters were reported from this investigation. 
These included OIIP, forecasted production and primary recovery, CO2 utilization rate and total sequestered CO2. 
 
© 2013 The Authors. Published by Elsevier Ltd. 
Selection and peer-review under responsibility of GHGT. 
Keywords: Reservoir Simulation; GHG Mitigation; Flue Gas Capture; CDM; Enhanced Oil Recovery 
 
 
* Corresponding author. Tel.: 868-314-0851; fax: 868-636-3339. 
E-mail address: donnie.boodlal@utt.edu.tt 
© 2014 The Authors. Published by Elsevier Ltd. This is an open access article under the CC BY-NC-ND license 
(http://creativecommons.org/licenses/by-nc-nd/3.0/).
Peer-review under responsibility of the Organizing Committee of GHGT-12
7518   Donnie Boodlal et al. /  Energy Procedia  63 ( 2014 )  7517 – 7528 
1. Introduction 
Trinidad and Tobago’s (T&T’s) economy has been shown to be relatively energy reliant [1]. Such a position has 
served the nation well over the years. However, in recent times, emerging energy issues such as depleting resources, 
declining production rates and increasing greenhouse gas emissions are playing a bigger role in defining the nation’s 
energy sustainability (Fig. 1 and 2). These issues are now being addressed and incorporated into the country’s energy 
policy. 
 
                                          
 
Fig. 1. T&T’s Declining Average Daily Oil Production. 
   
 
 
 
Fig. 2. T&T’s Increasing CO2 Emissions. 
One promising technology (CO2 EOR) can potentially assist in addressing all the issues mentioned above. In 
addition, this technology is not new to Trinidad and Tobago since it was adopted in 1972 to enhance the recovery of 
oil in the Fyzabad and Oropouche fields. Unfortunately, these projects have ceased after great initial promise [2]. 
This paper is aimed at determining the feasibility of rejuvenating CO2 EOR in Trinidad and Tobago. 
 
Owing to this overall aim, the main segmented objectives of this paper are to: 
 
x Quantify the available CO2 from the Point Lisas PowerGen Power Plant for injection and determine 
suitable capture method. 
x Estimate related transport costs. 
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x Conduct reservoir screening for CO2 injection via immiscible flooding. 
x Design field development plan and implement CO2 EOR at the end of primary recovery in that field. 
x Monitor the effects of CO2 injection and sequestration. 
x Conduct an economic analysis for the project.  
 
It should be noted that this work follows the work done by Narinesingh et. al. [3] by updating it to include 
transport in the overall CCS economic chain. 
 
Nomenclature 
BHP   Bottom Hole Pressure, psi 
BOPD  Barrels of Oil per Day 
CAPEX  Capital Expenditure 
CO2  Carbon Dioxide 
EOR  Enhanced Oil Recovery 
GOR  Gas Oil Ratio 
h  Height/ Thickness, ft 
HSE  Heath, Safety and Environment   
IPR  Inflow Performance Relationship  
k  Permeability, md 
LNG  Liquefied Natural Gas 
M  Thousand 
MM  Million 
MMP  Minimum Miscible Pressure 
m.w.  Molecular Weight 
NPV  Net Present Value 
OD  Outer Diameter, inches 
ID  Internal Diameter, inches 
OIIP  Oil Initially In Place, STB 
OWC  Oil Water Contact 
PVT  Pressure Volume Temperature 
rbbl  Reservoir Barrel 
SCF  Standard Cubic Feet  
STB  Stock Tank Barrel 
VLP  Vertical Lift Performance 
WHP  Well Head Pressure, psi 
μ  viscosity, cp 
 
2. Theory 
In a publication from the United States Environmental Protection Agency [4], it was stated that there are two 
main methods for estimating CO2 emissions from stationary sources. They are Direct Measurement and Fuel Input 
Analysis. Based on the data available for this paper, the Fuel Input Analysis method was chosen. Fig. 3 below shows 
the general equation used for the calculation in this paper. Each component in the formula is also explained in the 
figure shown. 
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Fig. 3. Formula for the Quantification of CO2 Emissions. 
 
In this paper, an immiscible CO2 flood was conducted in the reservoir based on updated screening criteria 
[5,6,7]. In this type of flood, the CO2 does not completely form a homogenous mixture with the oil. There is a 
region in between the two immiscible fluids where there is some mixing. However, there is not a single homogenous 
phase and there is an interface between the fluids. In order to completely explain why an immiscible flood was 
applicable for this project, minimum miscibility pressure needs to be explained. 
 
Jagai [8] stated that an immiscible displacement occurs when there is an interfacial tension between the displaced 
and displacing fluids. To achieve a miscible flood, the interface between the fluids must no longer be present. The 
same source also states that because CO2 is not immediately miscible with crude oil, it means that if it were used in 
controlled environment, an interface would be detected. If the displacing pressure was gradually increased, the 
interface would eventually disappear. The pressure at which this occurs is known as the minimum miscibility 
pressure (MMP). 
 
However, there are several stated factors that govern the miscibility between CO2 and crude oil [8]. These are: 
x Purity of the CO2 
x Reservoir Pressure 
x Reservoir Temperature 
x Composition of Oil 
x Degree of mixing. 
 
In this project, the reservoir being modeled was at a depth of approximately 3600 ft., the average reservoir 
pressure at the time of CO2 injection was below 1000 psi and the composition of the crude included very heavy 
components. As a result, minimum miscibility pressure was not able to be achieved, thus an immiscible CO2 flood 
was implemented.  
3. Methodology 
Many integral steps are required for the objective of the paper to be executed. These include CO2 quantification, 
transportation cost estimates, development of a static reservoir model, field development, integration of CO2-EOR 
and sequestration into the model and overall economic analysis. Initially, the CMG Reservoir Modeling suite was 
used to create the reservoir model and perform the simulations. The Petroleum Experts IPM suite was then used to 
develop VLP/IPR curves, which were exported to the CMG reservoir model. Each integral step is elaborate upon 
below. 
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3.1. CO2 Quantification 
Using fuel consumption data obtained from the Point Lisas POWERGEN plant, the yearly CO2 emissions for the 
plant was calculated. The Fuel Analysis Method, as described earlier, was applied using the following steps: 
 
x Determine the amount of fuel combusted: This data was obtained from the plants daily power 
production profiles. 
x Convert the amount of fuel combusted into energy units: The fuel consumption data was already 
converted into energy units so no conversion was necessary. 
x Estimate carbon content of fuel consumed: To estimate the carbon content, the energy content for the 
fuel was multiplied by fuel-specific carbon content coefficients. 
x Estimate carbon emitted: When fuel is burned, most of the carbon is eventually oxidized to CO2 and 
emitted to the atmosphere. To account for the small fraction that is not oxidized and remains trapped in 
the ash, the carbon content is multiplied by the fraction of carbon oxidized. The amount of carbon 
oxidized in this case was assumed to be 100% since specific supplier information was not available. 
x Convert to CO2 emitted: To obtain total CO2 emitted, the carbon emissions was multiplied by the 
molecular weight ratio of CO2 (m.w. 44) to carbon (m.w. 12). 
 
This resulted in a total quantification of CO2 at 1.9 million Metric Tonnes per year. This is also equivalent to 
36000 MMScf CO2 per year. 
3.2. Transportation Cost Estimates 
The transportation cost for the project was estimated using a Tier 2 estimation methodology and was based 
on the work performed by Rubin and McCoy [9] for a 16 inch pipeline. The graph (Fig. 4) used to estimate 
CAPEX for this estimation can be seen below. The OPEX used was from the same source. It should be noted 
that though the graph is in US 2004 dollars, these were found for the 2014 equivalent. The length of the 
pipeline from source to sinks for this project is less than 20km. As such, this value was used to read the graph 
for the related estimates. The total CAPEX used was 12 million USD and the OPEX found was 2US/ton CO2. 
 
 
Fig. 4. CAPEX for Co2 Transportation via a 16 inch pipeline. 
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3.3. Development of a Static Reservoir Model 
The first step in developing a static reservoir model was to create the geological model in the GEM simulator. 
Five vertical layers of equal thicknesses were used to distribute the net oil sand thickness in the model. The area of 
the fault block was approximately 143 acres. This acreage was broken up for the simulation using grid block sizes of 
100 ft. by 100 ft. This size grid block was chosen to provide a good accuracy level in the calculations whilst 
minimizing the time taken for simulations to run.  
After completion of the geological model, the next step was to develop the compositional fluid model. 
WINPROP was used to generate this PVT data based on the composition of the reservoir fluid. Specific components 
and their respective molar fractions were entered into WINPROP to create the PVT data. This data was then 
imported into the geological model to add reservoir fluid data to the model. 
 
To develop the detailed geological model for the fault block, specific reservoir properties were inputted into the 
model. Below are a list of the major reservoir properties and other important factors that were assumed for this fault 
block. 
 
x Reservoir Depth: 3600 ft. – 4000ft. 
x Reservoir Porosity: 23.2% (average) 
x Reservoir Permeability: 80-150 md 
x Reservoir Pressure: 2200 psi initially 
x Initial Oil Saturation: 75%  
x Rock compressibility: 2E-5 psi-1 [10] 
 
3.4. Fluid Properties 
Table 1 below shows the components and their respective mole fractions in fluid [11]. This is the 
composition that was used in the WINRPOP simulator to create the PVT data for the reservoir. This PVT data from 
WINPROP was imported into the GEM model. GEM, calculates the changes in the composition of the reservoir 
fluid with changing pressure in the reservoir. The GEM simulator adjusted parameters such as GOR, API gravity, 
viscosity etc. as the dynamic model was run and the composition of the fluid changed with pressure and time. The 
composition and properties of this reservoir fluid allowed it to be classified as black oil. Table 1 shows that the 
properties of the fluid used in this model all fit the criteria for a black oil classification. In addition to these, the API 
gravity, initial GOR and initial Boi was taken as 28, 650 SCF/STB and 1.33rBBl/STB respectively. 
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      Table 1. Fluid Composition. 
Component Mole Fraction 
CO2 0.0091 
N2 
C1 
C2 
C3 
IC4 
NC4 
IC5 
NC5 
FC6 
FC9 
FC15 
FC16 
FC30 
0.0016 
0.3647 
0.0967 
0.0695 
0.0144 
0.0393 
0.0144 
0.0141 
0.0433 
0.1320 
0.0757 
0.0510 
0.0315 
FC45 0.0427 
 
3.5. Well Placement for Primary Production 
For the field development plan, the optimum number of wells and well locations were determined based on the 
NPV of the forecasted production for each of the scenarios assuming a constant tubing size, minimum well head 
pressure (WHP) and minimum bottom hole pressure (BHP). These constraints were set based on data from wells in 
analogous fields. 
Listed below are the constraints that were inputted into the reservoir model and used to forecast production: 
 
• Tubing Size – 2.375 in. OD (1.867 in. ID) 
• Production Casing Size – 4.5 in. 
• Minimum BHP – 100 psi (Shut in at this point) 
• Minimum WHP – 100 psi (Shut in at this point) 
 
 
Fig. 5 shows the possible well placement scenarios used in this project. There are five possible well locations 
shown as Well 1 to Well 5. 
 
To determine the best well placement and optimum number of wells, the wells were added one at a time to the 
model and a dynamic run was made. The wells were added in the thickest sand first, as seen in the figure below 
(Well 1 and Well 2). This location was chosen as the first place to start drilling wells because of the thick sand (120 
ft.), high porosity (28%) and high permeability (100 md) and highest oil saturations. Well 3 to Well 5 were then 
added up dip in the thinner sands. The forecasted production for each scenario was recorded and the NPV 
calculated. It should be noted that the areas of highest sand thickness were also areas of highest oil saturations. As a 
result, these locations were chosen as primary options for well placement. 
 
Fig. 6 shows a plot of NPV of forecasted production versus number of producing wells. At the peak of the graph, 
we can see the optimum number of wells that yields the highest NPV for the project. It is based on this NPV 
analysis that the optimum field development plan was chosen. 
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Fig. 5. Well Placement Scenarios. 
 
 
Fig. 6. NPV analysis for number of producing wells. 
3.6. Optimal Field Development Plan 
Based on the analysis above, the optimum number of wells was found to be three. These wells were used for 
primary production in the simulation. Table 2 below shows the results for primary production. 
 
 Table 2. Forecasted Primary Production. 
Year Production Period 
(years) 
Oil Production 
(MSTB) 
Cumulative 
Production 
(MSTB) 
2013 
2014 
2015 
2016 
2017 
0 
1 
1 
1 
1 
0 
806 
575 
378 
66 
0 
806 
1381 
1759 
1825 
2018 0.2 7 1832 
 
It can be seen that the reservoir has a life of 4 years and 2 months for primary production. This is the most 
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optimistic outlook for this model. The total oil recovered during this time was 1.83 MMSTB out of the 6.74 
MMSTB initially in place. This resulted in a primary recovery factor of 27.2%. 
 
Fig. 7 below shows the cumulative production for the field as well as the BHP and WHP for each well. One 
of the constraints set was a minimum WHP of 100 psi. This was set to ensure a pressure differential from the well 
head to a low pressure separator at an inlet pressure of 50 psi. The wells were shut in when the WHP dropped to 100 
psi.  Because of the high initial rates, the BHP and as a result the WHP declined over a short period of time (as seen 
below).  
 
From Fig. 7, it can be seen that after the wells were shut in at the end of primary recovery, the BHP for all 
the wells built back up to 700 psi. This pressure is reflective of the average reservoir pressure. At this point, 
Enhanced Oil Recovery (EOR) was considered. 
 
 
Fig. 7. Illustrating Cumulative Production, BHP and WHP. 
 
3.7. CO2-EOR and Sequestration 
At the end of primary production of the field, CO2 EOR was implemented. The model was analyzed at the end of 
primary production and the remaining reserves were examined. Injector wells were placed in various locations such 
as thick sands, up dip and down dip in the reservoir. Also, remaining oil saturations was examined in the model to 
determine placement of injectors. 
 
An economic analysis was performed, based on NPV of the additional forecasted production which resulted from 
the CO2 EOR, to determine the optimal injector placement and number of injectors. Additionally, the sequestered 
CO2 was monitored in the model by comparing the cumulative injected CO2 and the cumulative produced CO2. 
 
The wells were initially shut in when the WHP reached a minimum of 100 psi. After the wells were shut in, the 
reservoir pressure reached equilibrium at 700 psi. Following this, CO2 was injected into the reservoir. Two injection 
pressures were used. One injection pressure was 50% more (1050 psi) than reservoir pressure and another was 100% 
more (1400 psi) than reservoir pressure. It should be noted that both these pressures were below the “frac” pressure 
(2520 psi) of the reservoir with an assumed “frac” gradient of 0.7 psi/ft. The total cost for CO2 injection including 
capture, compression and transportation used for the analysis was US $2300 per MMscf injected. The oil price used 
was US $70/bbl. More details of the economics can be seen in the economic analysis section. Injection was done for 
six years after primary production bringing the life of the reservoir to ten years. Please see table 3. 
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Table 3. Oil Recovery from CO2-EOR. 
 
 
It was observed that when the injector was placed in the thinner sand up dip (Well 3 converted to injector: Fig. 5) 
and the producers were in the thick sand down dip (Well 1 and 2: Fig. 5), there was the higher recovery of remaining 
OIIP. Also, there was a higher percentage of sequestered CO2. 
 
The increase in recovery of oil when the injectors were in the thin sand up dip of producers was mainly due to the 
distance of the injectors from the producers (1200 ft.), which allowed for a longer breakthrough time. The injector 
was placed closer to the producer in the thick sand (600 ft.) to observe the effect of production. In this scenario, 
Well 1 was converted to an injector and Well 2 and 3 were the producers (Fig. 5). As a result, the CO2 flood was not 
as effective and less recovery was made due to early breakthrough. (Results as seen in Table 3) 
 
The increase in CO2 storage in the first scenario described (Well 3 Injector, Well 1 and 2 Producers) was again due 
to the distance of the injector from the producers and the lower permeability in the thinner sands. As a result of the 
distance, the CO2 had a longer time to sweep in the reservoir and was able to mobilize more oil before reaching the 
producers. Also, during this longer sweep time, the CO2 encountered a lot more pore volume due to the distance 
travelled. Thus there was a high trapping rate of the CO2 in the pore spaces encountered. 
 
The decreased permeability at the injection point allowed a slower flow though the reservoir and as a result, the CO2 
had longer interaction with oil not only resulting in re-pressurization of the reservoir but also a small amount of oil 
swelling. This again resulted in a higher recovery. 
 
From the discussion above, it can be seen that the optimum scenario for the CO2 injection in this case was to place 
the injector up dip in the thinner sands and the producers down dip in the thicker sands. Both injection pressures 
produced the same NPV however the higher injection pressure resulted in more oil recovery. Therefore, based on 
the assumptions used in this project, the higher injection pressure up dip was selected as the optimal scenario. 
 
The optimum scenario as stated above had several factors aiding in the recovery and sequestration results. These are: 
x Gravity Drainage -  Injectors up dip, Producers down dip 
x Distance between producers and injectors – Larger distance resulted in more recovery due to longer 
breakthrough times. 
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4. EconomicAnalysis 
An economic analysis was done based on the optimal field development plan inclusive of CO2 EOR and 
sequestration as discussed above. This economic analysis gave the NPV of the entire project for varying conditions 
such as decreased oil price and increased cost of well completion and CO2 capture, compression and transport. 
Listed below are the main assumptions used for this economic analysis. 
 
x Base Oil Price: US $70 / STB 
x Cost to drill and complete land well to 4000’: US $0.55 million per well 
x Cost to implement CO2 Capture mechanism at Point Lisas PowerGen Plant: US$2 million [12] 
x Total Oil Production OPEX: US $20 / STB [13,14] 
x Transportation Cost: CAPEX 12 million USD and OPEX 2US/ton CO2 as assessed in section 3.2 
x Total CO2 Injection OPEX: US $2300 / MMSCF [13,14] 
o Cost of Capture and Compression: US $2243 / MMSCF (US $40 / ton) [15] 
o Cost of Transport: US $57 / MMSCF per km (US $ 1 / ton per km) [16] 
x Carbon Credit Price: US $280 per MMSCF (US $5 per ton) 
x Tax 
o Revenue based: 17.5% (SPT 7.5%, Royalty 12.5%) 
o Profit Based: 55% 
x Depreciation: US $569 / MSTB 
 
     Table 4. NPV of Project (Assuming Constant Carbon Credit Price). 
Scenarios NPV (US $MM) 
Base CAPEX, Base Oil Price $70 
Oil price of $61 
7 
0 
Base CAPEX, 25% Decreased Oil Price $56.25 -4 
Base CAPEX 50% Decreased Oil Price $35 -20 
 
 
From Table 4, it can be seen that the project is feasible for the base oil price. However, once the oil price 
drops to below $61/STB, the project is not economically feasible.  However, it should be noted that the oil price was 
never as low as US $61/STB since 2008.  
 
Having said that when this work is compared with that done by Narinesingh et. al. [3], which did not 
consider transport and concluded the project to be economically feasible once the oil price stay above $35/STB, it 
can be concluded that the cost of transport impacted greatly on the project and changed the price at which it can be 
considered for feasible investment greatly. 
  
We believe that if a field with a larger productive life is considered, the project economic feasibility can be 
increased. 
5. Findings 
The OIIP was found to be 6.74 MMSTB for this reservoir. The optimum number of wells to develop the field 
was found to be 3 based on a NPV analysis. At the end of primary production from three wells with 2.375 in. tubing, 
a total of 1.83 MMSTB was produced leading to a recovery factor of 27.2% (4 years 2 months).  
  
For CO2 EOR coupled with sequestration, 1 injector and 2 producers was the best scenario based on the 
assumptions discussed. CO2 EOR led to another 1.07 MMSTB of recovery for a total of 2.9 MMSTB (43.04% 
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Recovery) for the ten year life of the project. A total of 5427 MMSCF (287 000 tons) of CO2 was sequestered in the 
reservoir (40.39 % Storage) at an injection pressure of 1400 psi. 
6. Conclusions 
The various CO2 injection scenarios resulted in an optimum injector placement and injection pressure. The main 
factors that contributed to optimum recovery and sequestration with this scenario were: 
x Increased distance of injector from producer – This led to higher recovery due to longer breakthrough 
times. This also allowed CO2 to interact with more pore volume and thus increase CO2 sequestration. 
x Injector placed up dip – This led to higher recovery due to the assistance of gravity drainage. 
 
The average value of CO2 sequestered was found to be approximately 37-41% for the scenarios. This value was 
the average value that was found worldwide in the projects that have been implemented thus far. It should be noted 
that CO2 EOR coupled with sequestration is a fairly new technology that is being implemented and newer results 
and findings are constantly being developed and published. Based on the above findings, conclusions and 
assumptions, the project is only feasible for an oil price of greater than $70/STB. 
 
It should be noted that though a hypothetical reservoir was used in this analysis, the methodology employed in 
determining the feasibility of the project and some of its key parameters is quite robust and can be used in many real 
case scenarios. In such scenarios, it would also be important to calculate the lowest oil price and highest CAPEX for 
feasibility. Owing to these, a more detailed sensitivity analysis can also be conducted. 
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